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Abstract

This paper addresses a hierarchical framework for the energy resources and network expansion planning of an Energy
Distribution Company (EDC) that supplies its downward Active Industrial MicroGrids (AIMGs) with hot water and/or
steam and electricity through its district heating and electric grid, respectively. The main contribution of this paper is that
the proposed model considers AIMGs’ electricity transactions with each other and/or other customers through the EDC’s
electric main grid and investigates the impacts of these transactions on the expansion planning problem. The solution
methodology is another contribution of this paper that tries to trade-off between accuracy and computational burden. The
proposed framework uses a three-stage iterative heuristic optimization algorithm that considers different uncertainties of
the planning and operational parameters. At the first stage, the algorithm determines the characteristics of energy system
facilities for different stochastic parameter scenarios. At the second stage, the feasibility and optimality of AIMGs’
electric transactions are evaluated and the optimal scheduling energy resources in normal states are determined. Finally,
at the third stage, different demand response alternatives, load shedding and the AIMGs’ electric transaction interruptions
for contingent conditions are decided. The proposed method is applied to 9-bus, 33-bus and 123-bus IEEE test systems.
Further, a full search algorithm is used to evaluate the quality of solutions of the proposed algorithm. The introduced
algorithm reduced the total costs for the 9-bus, 33-bus and 123-bus system about 18.645%, 9.658%, and 4.849% with

respect to the costs of custom expansion planning exercises, respectively.

Keywords: Expansion planning; District heating; Distributed energy resources; Demand response programs, Electricity

transaction.

Nomenclature
Abbreviation

AC Alternative Current.

AIMG Active Industrial Micro Grid.



CDF Composite Damage Function.

CHP Combined Heating and Power.

CO; Carbon dioxide.

DC Direct Current.

DER Distributed Energy Resource.

DCNEP Distributed Cogeneration and Networks Expansion Planning.
DHN District Heating Network.

DLC Direct Load Control.

DRP Demand Response Program.

EDC Energy Distribution Company.

ESS Electrical Storage System.

GA Genetic Algorithm.

IAGA Integrated Adaptive Genetic Algorithm.
HL Heating Load.

IMG Industrial Micro Grid.

MG MicroGrid.

MILP Mix Integer Linear Programming.
MINLP Mixed Integer Non-Linear Programming.
MUs Monetary Units.

MMUs Million MUs.

MWRI Modified Weighted Reliability Index.
PVA Solar Photovoltaic Array.

PU Per-unit.

QLDC Quarterly Load Duration Curve.

SW Switching device.

SWT Small Wind Turbine.

TES Thermal Energy Storage.

Index Sets

a Electric system contingency index.

t Time index.

Parameters and variables

N& Area of photovoltaic array (m?).
Boiler_Site Boiler site.
BC Boiler capacity selection alternatives.

TBpr Benefit of AIMGs electricity transactions (MUs).
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DH _Site
ESSC
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EM

Co,

EM

50,

Investment, operational, emission and maintenance costs of CHP unit (MUs).
Investment costs of electric feeder (MUs).

Investment costs of district heating system pipe (MUs).

Aggregated investment and maintenance costs of photovoltaic array (MUSs).
Aggregated investment and maintenance costs of switching device (MUs).
Aggregated investment and maintenance costs of small wind turbine (MUs).

Aggregated investment, operational and maintenance costs of electricity storage (MUs).

Aggregated investment, operational and maintenance costs of thermal storage (MUs).

Aggregated investment, operational, emission and maintenance costs of boiler (MUs).
Cost of electricity purchased from upward utility (MUs).

Cost of demand response program (MUs).

Investment cost (MUs).

Operational cost (MUs/MWh).

Maintenance cost (MUs/MWh).

Emission cost (MUs/kg).

Capacity of electricity storage (kW).

Capacity of thermal storage (kW).

Investment cost of photovoltaic array (MUs/MW.m?).
Investment cost of thermal storage (MUs/MWh).
Investment cost of electricity storage (MUs/MWh).
Capacity dependent cost of electric feeder (MUs/m.kW).
Capacity of electric feeder (kW).

Length dependent cost of electric feeder (MUs/m).
Capacity dependent cost of district heating system pipe (MUs/m.MW).
Capacity of district heating system pipe (MW).

CHP installation alternative site.

CHP capacity selection alternatives.

Composite damage function (MU/MWh).

DRP alternatives.

District heating site.

Electricity storage capacity selection alternatives.
Electricity storage installation alternative site.

CO; emission (ton/yr).

SO, emission (kg/yr).
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CO; emission penalty cost (MUs/ton.yr).
SO, emission penalty cost (MUs/kg.yr).
NOX emission penalty cost (MUs/kg.yr).
Heating load site.
Solar irradiation (kW/m).
Distance between energy carrier generation site and load site (m).
Weighted decibels (dBA).
Electrical load site.
Total number of AIMG’s energy consumption scenarios and the EDC’s intermittent
electricity generation.
Total number of electricity transactions of AIMGs scenarios.
Total number of contingency scenarios.
Number of EDC contingencies.
Number of planning year.
Number of EDC zones.
Shed electrical energy (kW).
AIMG electricity transaction (KW).
Electric power of EDC (kW).
Active power of DRP (kW).
Electric power of electrical load (kW).
Electric power generated by photovoltaic array (kW).
Electric power delivered by electricity storage (KW).
Critical electrical load (kW).
Controllable electrical load (kW).
Electric power generated by SWT.
Electric power withdrawal changed for DLC program (kW).

Photovoltaic array site.

Reactive power of DRP (kVAR).

Thermal load (kW).

CHP thermal power output (KWi).

Loss of thermal power (kW,).

Thermal power flow in district heating system pipe (KW).
Thermal power of TES (KkW).

Radius of district heating pipe (m).

Small wind turbine blade radius (m).
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Small wind turbine site.

Length dependent cost of district heating system pipe (MUs/m).

Total interruption cost.

Thermal storage capacity selection alternatives.

Thermal storage installation alternative site.

Binary variable of heating storage discharge; equals 1 if heating storage is discharged.

Binary variable of heating storage charge; equals 1 if heating storage is charged.

Binary variable of electricity storage discharge; equals 1 if electricity storage is discharged.
Binary variable of electricity storage charge; equals 1 if electricity storage is charged.

Power charge of ESS.

Power discharge of ESS.

Aggregated duration of compression chiller operation.

Aggregated duration of ESS operation.

Aggregated duration of CHP operation.

Aggregated duration of TES operation.

Outside air temperature (°C).

The set of upward utility transformer and CHP sites.

Heat charge of TES.

Heat discharge of TES.

Weight factor.

Present worth factor.

Probability of contingency.

Binary decision variable of device installation (equals to 1 if device is installed).
Duration of device operation.

Maximum velocity of energy carrier in pipe (m/s).

Electricity purchasing price that is purchased from upward utility (MUs/kWh).
Energy cost of DLC program (MUs/kWh).

Transmission service price (MUs/kWh).

Maximum discharge coefficient of heating storage.
Maximum discharge coefficient of electricity storage.
Coefficient of heat-power feasible region for CHP unit.
Small wind turbine blade angular velocity [rad/s].
Photovoltaic array conversion efficiency.

Temperature difference of input/output water (°C).

Specific heat capacity.
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VzVind Small wind turbine cut-in wind velocity.
V.VfViﬂd Small wind turbine cut-off wind speed.
Pwater Water density (kg/m3).

GDRP Capacity fee for DRP.

oPRP Active or reactive energy fee for DRP.
ecDRP Allocated capacity of AIMG for DRP.

1. Introduction

The utilization of Distributed Energy Resources (DERs) and Demand Response Programs (DRPs) lead to
complication of energy infrastructures expansion planning and operation. An Energy Distribution Company (EDC) may
supply its downward MicroGrids (MGs) with energy carriers through its electric network and District Heating Network
(DHN) [1]. The EDC may use Combined Heat and Power (CHP) systems, boilers and DRP to dispatch energy carriers.
Industrial MG (IMG) may perform as an Active IMG (AIMG) that handles electricity with ascendant EDC [2]. Further,

as shown in Fig. 1 the AIMGs can transact electricity with others through EDC’s electric grid based on smart grid
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Fig. 1. Schematic diagram of an EDC with its AIMGs.

Distributed Cogeneration and Networks Expansion Planning (DCNEP) problem optimizes the parameters based on
the cost-benefit analysis and reliability criterion [3, 4]. However, the electricity transaction between AIMGs must be
investigated in the planning process based on the fact that the EDC operator can allow the AIMGs to transact electric

energy with each other through its open accessed main grid [1].
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Ref. [5] presented an integrated model including Small Wind Turbines (SWTs), Solar Photovoltaic Arrays (PVAs),
heat pump, Electrical Storage Systems (ESSs), Thermal Storage Systems (TESs) and the algorithm used Mix Integer
Linear Programming (MILP) optimization process to minimize energy costs and pollutant emissions. Ref. [6] introduced
a linear optimization method for system planning of large-scale CHP units and it utilized a MILP algorithm to solve the
formulated problem. The case study results revealed a 33% reduction in aggregated costs. Ref. [5, 6] didn’t consider
AIMG electricity transactions.

Ref. [7] presented an expansion-planning algorithm for the electric distribution system that was considered the
uncertainties of load and wholesale market price. The introduced method utilized the harmony search method to minimize
the aggregated costs of the system and the results were compared with the Genetic Algorithm (GA) and particle swarm
optimization methods. This reference did not consider renewable DERs and AIMGs electricity transactions.

Ref. [8] introduced an optimization technique for the expansion planning of a district energy system considering the
timing, type of capacity expansion, and operational modes. The dynamic optimization problem maximized the
profitability of the system throughout the 30 years of the planning horizon. The optimization model considered the optimal
economic, environmental, and regulatory constraints.

Ref. [9] presented the expansion planning optimization of electrical and thermal energy systems. A honeybee mating
optimization algorithm was applied to minimize loss costs, voltage deviation and investment cost and the method was
applied to two modified test systems. Ref. [8, 9] did not consider renewable DERs and AIMGs electricity transactions.

Ref. [10] investigated the methodology of expansion planning of district energy systems and evaluated the
effectiveness of the proposed algorithm for the Ningbo Hi-Tech district in China was conducted. The results demonstrated
that input energy, input exergy and Carbon dioxide (CO,) emission were reduced by 22.7-24.1%, 14.5-14.9% and 5.9—
6.6%, respectively.

Ref. [11] utilized composite indicators to assess the performances of a CHP plant in the planning procedure. The
method was tested for a medium-size CHP-based district heating system. The results showed that the proposed method
modified the operating strategies of system. Ref. [10, 11] did not consider renewable DERs and AIMGs electricity
transactions.

Ref. [12] introduced a method for optimal district heating network expansion planning problem that used MILP
approach to maximize cost-saving and minimize gas emissions. The proposed methodology was studied for different
expansion planning scenarios of a real district heating system and the results showed that about 30% of costs were reduced.

This reference did not model the AIMG electricity transactions and DER facilities.
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Ref. [13] presented a mathematical model for district heating system planning that maximized revenues and minimized
investment and operational costs. Different scenarios were considered for expansion planning of real energy system and
results showed that the proposed algorithm reduced the aggregated costs about 33.11%.

Ref. [14] introduced a mathematical programming algorithm for optimal design and planning of a new district heating
systems: energy reciprocity and on-site generation. The proposed algorithm minimized capital and operation costs and
maximized the benefits of selling electricity to the grid. The model was assessed for a part of Suurstoffi district situated
in Risch Rotkreuz, Switzerland and the results showed that the proposed method decreased about 25% in total annualized
cost and 5% in emission compared to the conventional districts. Ref. [13] and [14] did not consider renewable DERs and
AIMGs electricity transactions.

Ref. [15] presented a framework for finding the optimal district heating network layout and production technologies
by considering renewable energy facilities. The proposed Mix Integer Non-Linear Programming (MINLP) model
optimized the technical characteristics of the design and the case study on an existing DHN is presented. The results
showed that the introduction of renewable energy into the energy mix was economically profitable and more than 15 %
of the total cost was reduced.

Ref. [16] introduced an algorithm for the planning of gas/electricity/heat hybrid networks and hydrogen storage
systems were used as an electricity storage system. A MILP algorithm was utilized to optimize the operation schedule of
the system and minimize shed load. Further, a GA was also used to minimize the total investment costs. To model the
contingencies, the worst-case scenario was explored. Two cases were tested and the results showed that the proposed
method enhanced the utilization of DERs for different planning scenarios.

Ref [17], proposed a MILP procedure to find the optimal combinations of energy systems for an eco-town in the
United Kingdom. The model minimized costs and the CO, emissions, but the AIMG electricity transactions and electric
system contingencies were not modelled.

Ref [18], determined the optimal configuration and device capacity of the energy resource system. The algorithm
minimized total costs of the energy system and a MILP optimization algorithm was utilized to find the optimality of the
system topology and facilities, but the AIMG electricity transaction was not modelled.

Ref[19] introduced a MILP model for optimal planning of DERs systems that minimized energy costs and the model
considered DERs, district heating system facilities, but the AIMG electricity transactions and system contingencies were
not modelled. Ref [20], presented a MILP solution algorithm of CHP-based systems for Arenzani in Italy that optimized
investment and operating costs. In Ref. [21], the expansion planning of microgrid was presented that maximizes the
microgrid reliability and profit; meanwhile, it minimized operation and investment costs. Ref. [20] and [21] did not

consider AIMGs electricity transactions.
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The AIMGs’ electricity transactions may have different time patterns, values and transactions locations that the

evaluation of the feasibility and optimality of these transactions imposes a very heavy computational burden on the

DCNEP procedure. An integrated model that considers the impact of the AIMGs’ electricity transactions on the optimal

expansion planning of distributed energy resources and networks is less frequent in the literature and is not presented in

the available literature before, to the best of the authors’ knowledge.

Table 1 shows the comparative methodologies of proposed DCNEP algorithm. The main contributions of this

paper are:

The proposed algorithm considers the electricity transactions between the AIMGs and the EDC’s loads on
the DCNEP for the first time,

The integrated model of DCNEP is proposed that considers the models of district heating and electric
networks, intermittent renewable energy resources, thermal and electricity storage systems, CHPs, Direct
Load Control (DLC) procedures, and electricity transactions between AIMGs in the planning and operational
procedures,

The proposed stochastic model considers four sources of system uncertainties that consist of the intermittent
power generations, AIMGs’ energy consumptions, AIMGs’ electricity transaction, and the system
contingencies,

The overall framework and solution methodology of the proposed heuristic three-stage algorithm is another
contribution of this research that considers the optimal coordination of EDC’s energy resources in normal

and contingent condition.

2. Problem Modelling and Formulation

As shown in Fig.2, the EDC operator utilizes its CHP systems and boilers to supply the downward heat and electricity

loads and it can purchase electricity from the upward wholesale market. Further, the electricity surplus of each AIMG

can be sold to the EDC or transacted to other AIMG and/or other loads. Any AIMGs’ electricity transactions must be

approved by the EDC in advance. The EDC is equipped with different energy resources consists of gas-fired CHPs and

boilers, PVAs, SWTs, ESSs, and TESs. The DCNEP must minimize the investment and operation cost; meanwhile, it

must maximize the reliability of provided services for the downward heating and electrical loads [22].
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Table 1: Comparison of proposed DCNEP with other researches.

References Proposed
wlelrlolale|z|alalz|lale|n|z|a|g]|g| e
MILP v v x x x x x v x v x x v v v v x x
2 MINLP x x x v x v v x x x v x x x x x x x
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Z [ Deterministic | ¥ | x | x | x x| v | v | v | v [ v | v x| v | v 7] 7] x x
Stochastic x v v v v x x x x x x v x x X x v v
Revenue x x x x x x x x x x x x x x v x x v
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2.1. Uncertainty modelling

| Electricity flow — Heat flow —— AIMG power transaction—» |

Fig. 2. The EDC energy resources and storages.

10

The DCNEP problem is subject to the four uncertainty causes: The intermittent power generation of the EDC, AIMG’s

energy consumption scenarios, AIMGs’ electricity transaction scenarios, and the system contingencies, as shown in Fig.3.
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An AIMG can be supplied by heating and electricity energy through the EDC’s DHN and electricity grid, respectively.
The uncertainty modelling is performed in a three-stage procedure. The AIMG can request from the upward EDC to
deliver its injected electricity to other AIMGs through the EDC’s main grid. The EDC must consider the uncertainties of
the AIMGs’ electricity transactions. The EDC uses an estimated data of hourly electric and heat loads and its intermittent
electricity generations for each year of planning years, AIMGs’ energy consumptions scenarios and electricity transaction
location, quantity and electricity flow direction. The EDC estimates the optimal generation schedules of its generation
units, electricity transactions with the upward wholesale market and AIMGs, estimated DRPs control variables and
contingency-based load shedding alternatives. Thus, a three-stage stochastic optimization program can be utilized. At the
first stage problem, the DCNEP determines the initial location and capacity of electric and heating systems for each
AIMG’s energy consumption scenario. At the second stage problem, the feasibility of estimated AIMGs’ electricity
transactions are evaluated and the optimal scheduling of the EDC’s CHPs and energy resources in normal states are
determined. Finally, at the third stage problem, DRPs alternatives, load shedding and the AIMGs’ electricity transaction

interruptions for contingent conditions are decided. The three-stage procedure is repeated until the stopping criterion is

modelling at the
first stage of

modelling at the
second stage of

modelling at
the third stage

satisfied.
\ .
| \ .
—
- EDCs | N
intermittent \
electricity EDC's _\ ,
generation i
And » system
AIMGs’ i

electricity m
consumptigh . 7 >
scenari 7>
| /[
/. | <4
A

Uncertainty Uncertainty Uncertainty

DCNEP DCNEP of DCNEP
Fig. 3. Three-stage scenario-based model for DCNEP.

2.2. DRP modelling

The AIMG load is categorized into critical and controllable loads [23]. Thus, the AIMG controllable loads can be
dispatched by the EDC in the DLC program [24, 25]. The EDC can utilize the DLCs program in normal and/or contingent
conditions that change the commitment of its DERs [26-28]. The EDC can pay capacity and energy fees to the AIMGs to

participate in DRPs. Thus, the DRP costs can be formulated as (1) [29, 30]:

_ DRP ¢ DRP DRP DRP DRP 1DRP 1
TCDRP - Z 9 5 +wActive'P +wReactive'Q ( )
NDRP
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The TCp,p consists of DRP capacity fee, active power and reactive power fees that are paid by the EDC to the DRPs

that contribute in the DLC programs.

2.3. First Stage Problem Formulation

The DCNEP minimizes total investment and operation costs and maximizes the system reliability. The decision
variables of the first stage problem are the location, capacity and time of installation of the EDC’s facilities. The EDC
facilities are CHPs, electric feeders, DHN pipes, PVAs and SWTs, ESSs, TESs, boiler and switching devices. The
purchasing cost of energy purchased from the upward market, DRP costs, interruption cost of customers and the benefit
of AIMGs’ electricity transactions should be considered in the optimization process. Thus, the objective function of the
first stage problem for the entire of the planning horizon can be formulated as (2):

Feeder Pipe_ DHN + (2)

(TCop ¥ ™ + TCrepor v + TCpipe_pun-Y

. +TC oy W 4TC G ST +TC o B8 +TC g ™ +
Min Rl = Z Z Z Pi’Ob X PV4 !//B ] swr-Y o Ess¥V TES ¥V
Nyear Nzone NOIS TCBoiler"// oer 4 TCSW W )+ TC[C + TCPurchase + TCDRP
_TBPT

The NOIS parameter presents the total number of AIMG’s energy consumption scenarios and the EDC’s intermittent
electricity generation and its corresponding probability is presented as prob parameter. The objective function can be
decomposed into five groups: 1) the investment plus aggregated operation costs of CHP, electric feeder, DHN pipe, PVA,
SWT, ESS, TES, boiler, and switching device, 2) The interruption cost of electric system contingency, 3) the energy
purchased costs, 4) the costs of DRPs and 5) the benefit of electricity transactions of AIMGs.

The 3%, 4%, and 5" group of objective functions are calculated at the second stage problem. The 2™ group of the
objective function is calculated at the 3™ stage problem.

The energy resource investment costs consist of annualized fixed costs and variable costs. The variable cost is a
function of operation time and maintenance cost, operation cost, and emissions cost. Thus, the facilities investment and

aggregated operation costs can be written as (3-8):

3)
TCop=B. Y, 2. (TC"+ Y prob Yy s(1C"" +1C" +7CT))
cHp_sie CHPC ~ NOSS T, ” ' )
TCry =2 EM"" EMC ¥V X"e{CO,, SO,, NO} 4)
(5)

M EM
Boiler _Site BC NOSS

Boil iler Boil Boil.
TChot = B 2. D (TCT™" 3 prob. 3, 5.(TCH™ + TCEM 4 7C27Ty)

TCH = Y EMP EMc ¥V X"e{CO,, SO,, NOy} (6)
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(7
TChs= | B Y, 2. (IC Cap™ + Y prob.y 8.(1C™> +1CH))
ESS_Site ESSC NOSS Tos ’
TES . TES TES TES ®
TCps= | Bx D, Y (TC.=.Cap™ + Y prob.y 8.(TC +TC,™)
TES _Site TESC NOSS T ’
1 The EM and EMC parameters are the pollutant emission and emission costs, respectively.
2 The DHN pipeline installation and electric feeder costs are the functions of their capacity and the length of the routing

3 path. Thus, the electric feeder cost and DHN pipe cost can be written as (9-11):

TCFeeder _ Z Z ﬁ L ( (T gs;zilrty Feeder +Tq.::3,§der)) (9)

Trans UCHP _Site Load _Site

TChp = 2. 2 BL((TCCap™ +TCON)) (10)

DH _Site HL _ Site

DH DHN \2 (11)
Cap :pwater'ﬂ'-'(R ) 'C'Zmax'AQ(input—output)

The total interruption cost is the function of the shed electrical energy and the Composite Damage Function

(CDF) of the electrical load.

(12)
TCIC - z 7/ shed CDF
NOCS
4 The PVA and SWT costs are given by (13) and (14):

Cppy= . Y (TCo s/ w1C") (13)

PVA _ Site
Copr = B 2, (TCu,+TC"T) (14)

SWT _ Site

)]

6 electricity transmission service and can be written as:

TBpr = Ppr -Kivans price (15)

7 The electric power balance constraint is given by (16):
EDC_, Load PVA ESS 16
i ( Loadz_site P PV; Site e Esg Site e 1o
SWT CHP DRP _ pLoss

swrz_:sae m CHPZ_ Site e D;A e
8 The energy purchased costs are given by:

TCpyrease = P EPC thlliiimsed (17

9 The heating power balance constraint is given by (18):

The benefit of electricity transaction of AIMG is a function of the value of the transacted power and the price of
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A. TES and ESS constraints:

TES maximum capacity:
QTES < CapTES

TES maximum discharge and charge constraints:
ODCH™ <(f.Cap™).A™ 4™ e{0,1}
OCHT®S < Cqp™S BTES BTES e{0.1}

TES cannot discharge and charge at the same time:
A 0+B™ <1t Vi, A™ and B €{0,1)

ESS maximum capacity:
PESS < CapESS

ESS maximum discharge and charge constraints:
PDCHESS < (g.Cap®S)x AESS 4B ef0,1}
PCHPESS < Cap™S BESS BESS €{0,1}

ESS cannot discharge and charge at the same time:
A 0+B™ <1 v, A% and B® €{0,1}

B. SWT and PVA constraints:

SWT electricity generation is given by [31, 32]:

0 if YWind < pWind oy Wind > v}/Vind

(vWind _ vg/l/ind)

Wind i wind < ,Wind ~ ,,wind
B '(vWind - vWiTld) lf Ve =V =Ur
T c

pWind otherwise

The minimum noise disturbance constraint is considered as [33]:

L, ~50.1og, QR +10.1og,, .RS"T —1
P 210 210

The maximum electricity output of PVA is given by [34]:

PP = §7"n1(1-0.005(1, — 25))

(18)

27)

(19)

(20)

21)

(22)

(23)

24)

(25)

(26)

14



15

B. DHN constraints:
The DHN is modelled as [35] and the DHN constraints consist of device and pipe loading constraints and flow

direction constraints. The DHN flow constraints are given by (30):

Q}\F/}II‘OW SQF]OW < QAF};JXW (30)

C. CHP constraints:

Nonlinear feasible operating region for CHP units:

alyp P + b QT 2 ¢ G
pCIP < paHP < pCiiP (32)
O <0 <O G3)
D. Boiler constraints:
Heat output limit for boilers:
i <O < Oji (34

E. DRP constraints:

Based on the DRP modelling section, the DRP constraints can be written as [36-44]:

P = Pt )+ Pgaotabie (35)
AR /l?iszC <AP”C <AP, /l?lfxc » AR AZLXC =F Cl::z:i)llable (36)
pPRP _ ApPLC (37)
TCprp =P Kpye (38)

10
11
12
13

F. Electric network constraints:

The electric device loading constraints and the DC load flow constraints must be considered in the 1% stage of

optimization.

The integrated constraints of the first stage optimization problem can be represented as:

Z,(x,u,z)=0 (39)

Y, (x,u,z)<0 (40)

where, x, u, z are problem variables, controls and system topology, respectively.
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2.4. Second Stage Problem Formulation
The second stage problem optimizes the operational subproblem of DCNEP and it minimizes the operation costs of

system resources in the normal conditions that can be represented as:

TCCHP +TCBoiler +TCESS +TCTES i (4])
Min R, = Z prob. Z o o o o
NOSS Nzone TC}L’/LIjrchase + TCDRP — TBPT
s.t.: Zy(x,u,z)=0
Y, (x,u,z)<0

Where, ZQ(X’ u,z)=0 and Yz(x, 1,2) <0 are second stage problem constraints.

2.5. Third Stage Problem Formulation

At the third stage problem, the optimal operational coordination of the EDC’s resources for the contingent condition
is assessed. The third stage problem objective function minimizes the mismatch of the 2" stage optimal dispatch costs
plus the total interruption costs.

The objective function of the third stage problem can be represented as:

ATCEHP o ATCPoler L ATCESS 4 ATCTES 4 (42)
Op Op o Op

Min R, = Z prob. Z prob. Z ’
NOSS NCCS Neone Z Y. Py.q - CDF —ATB,,

Ncont
st Z8(xu,2)=0 Yo e{0,1,...., NCSS}

Y& (x,u,2) <0
Where, Z;“(x,u,z)zo and Yg“(x,u,z)SO are the detailed AC power flow model of Z,(X,u,z2)=0 and

Y, (x,u,2) <0, respectively.

The general form of the first, second and third stage can be rewritten as the following equation:

Max R',. =M'-R;,-W.Z,(u,x,z)-W'.Y;(u,x,z) Vi € {First, second and third stages) (43)
Where, R " and M’ are objective function and high number vectors, respectively. ¥ and W’ are weight factor vectors.
3. Solution Methodology
The proposed DCNEP is an MINLP problem that has multiple discrete and continuous variables in the planning
and operational subproblems. The subproblems are the optimal power flow of energy systems in normal and contingent
condition of systems [45]. The authors attempted to define a proper framework to solve the DCNEP problem and different
framework and soft computing results were compared, and finally, the proposed framework was selected. The overall
solution methodology is one of the contributions of this paper that tries to trade-off between accuracy and computational

complexity.
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Further, the AIMGs’ electrical transactions may have different time patterns, values and transactions locations.
The evaluation of the feasibility and optimality of these transactions imposes a very heavy computational burden on the
DCNEP procedure that may lead to custom MINLP algorithms divergence and/or memory overflow. Thus, an iterative
three-stage optimization algorithm is proposed and Fig. 4 depicts the flowchart of the optimization algorithm. The
flowchart blocks are presented in the following paragraphs.

For the first, second and third stage optimization problems, an Integrated Adaptive Genetic Algorithm (IAGA) with
variable fitness functions is used to find the feasible solution of the modelled large-scale MINLP problem.

The IAGA dynamically changes the values of mutation and crossover probability to overcome this problem. Further,
it changes the type of crossover of the algorithm [46, 47]. It uses a deterministic and reinforcement-based algorithm to
modify the operators’ values and the most valuable parameters of GA are rewarded and reinforced. Then, the rewarded
parameters are applied in the subsequent generation of chromosomes. The best solution of each IAGA population is
protected and the crossover operator cannot change it and zero or minimum value of mutation operator is applied to the
protected solutions. The detailed explanation of IAGA is available in [46-47].

At the first stage problem, the hourly electrical and thermal load data are transformed into Quarterly Load Duration
Curves (QLDCs) that present the fixed values of electrical and thermal energy demands for each quarter of the planning
year. It is assumed that the first-stage candidate facilities are working at their maximum capacity and their installation
variables are presented as the continuous variables. Then, a list of the feasible candidates of the installation facilities is
selected and the problem constraints are considered as penalty factors in the objective function. The IAGA is implemented
and multiple solutions are obtained and all of the feasible solutions are saved and explored in the next stages.

At the second and third stages, the hourly energy load curves are used to assess the operational condition of selected
first stage decision variables. For the second stage problem, for all of the feasible solution of fist stage problem, the list
of all of the AIMGs’ electricity transactions to other AIMGs and/or other loads are generated and their feasibility and
optimality are evaluated by the second stage objective function and the feasible and optimal electricity transactions are
selected. At the third stage problem, the optimization problem explores the detailed optimal operation of energy systems
in contingent conditions for each of the second stage problem outputs. The third stage problem simulates the outage of
the electric system components and it tries to find the optimal coordination of system resources. If the electrical system
resources are not adequate to supply the electrical load, then the following algorithm is performed: At first, the
controllable loads are switched off and the DLC procedure is performed. Then, the zonal load block and the corresponding
electricity transactions of AIMGs are cancelled. At the final step of the third stage problem, the involuntary load shedding

is performed. The three-stage procedure is repeated until the stopping criterion is satisfied.
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The Modified Weighted Reliability Index (MWRI) is used for stopping criterion, defined as:

MWRI = wf', SAIDI +wf ,.SAIFI +wf . ENSC (44)
Where,
SAIFI= Total number of system interruptions/ total number of the EDC'’s zones served. (45)
SAIDI = Sum of the interruption duration / total number of the EDC'’s zones. (46)
ENSC= Energy not supplied cost. 47)

wf |, wf',, wf ,are the weight factor vectors.

4. Simulation Results

Three systems are used to assess the proposed DCNEP algorithm. The 9-bus, 33-bus and 123-bus IEEE test systems
are considered.

A. 9-bus test system

The 9-bus test system data is presented at [48] and its topology is shown in Fig.5. The proposed DCNEP algorithm
was assessed by the full search algorithm and the results of the proposed and full search algorithms are presented in the
following paragraphs. The value of the first stage uncertainty modelling was assumed as NOIS=2 to reduce the whole
state-space of the full search algorithm. Fig. 6 depicts the electrical and heating peak load forecasting for the base case
(first scenario of NOIS).

The wind turbine and solar panel data are available at [49]. Fig.7 depicts the hourly heating and electrical loads of the
9-bus test system for the final planning year. Fig. 8. shows the forecasted market price for the base year. Table Al, Table
A2, and Table A3 of the appendix present the characteristics of CHPs, conductors and DCNEP parameters for the 9-bus
test system, respectively. Table A4 of the appendix presents the DERs, DHN, DRP and emission data for all of the case

studies.
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Fig. 4. Flowchart of the DCNEP algorithm.

The DCNEP problem subjects to the three sources of uncertainty:

1) AIMG’s energy consumption scenarios are the first source of uncertainty. The yearly and hourly energy
consumptions for NOIS=1 are depicted in Fig. 6 and Fig.7, respectively. For the NOIS=2, the parameters of
NOIS=1 are multiplied by 0.7,

2) The AIMGS’ electricity transaction scenarios. The EDC must simulate the feasibility and optimality of the
probable AIMGs’ electricity transactions.

3) The system contingencies. The forced outage rate data were used to simulate the 9-bus contingencies.



20

7
[1] gy s ¥
6 i S [91 s
w0 .
5 / N\ / \\
4 4 I s L A
E // \\ / \ . / X \[4]
N / \
T ola o L e
/ \
2 «&> - 4
X = * -4 s
1 N o i <
[8] 7 & [6] <mp
w0
0 1 2 3 4 5 6 7 8 9 10
km
N substation ® loadnode ————— Condidate feeder 4mp AIMG
ﬂ Available site for wind turbine % Available site for photovoltaic ~ B Responsive load
Fig. 5. The 9-bus distribution network.
10
8
6
S
2 4
0
1 2 3 4 5 6 7 8

Bus

MW First Year mSecond Year M Third Year ™ Fourth Year M Fifth Year

Fig. 6. Five-year peak load forecasting for the electrical and heating loads of the 9-bus test system.
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Fig.7. Hourly thermal and electrical load of the 9-bus system for the final year of the planning horizon.
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Fig.8. Hourly electricity market price for the 9-bus system for the first year of the planning horizon.

The AIMG can request from the upward EDC to deliver its electricity to other AIMGs through the EDC’s main grid.
Thus, the EDC must simulate the uncertainties of the AIMGs’ electricity transactions. The EDC prepares the list of the
AIMGs’ electricity transactions and explores the feasibility of the transactions. Different electricity transaction blocks
can be modelled by the different steps of power injections and withdrawals into/from electric system buses that are
formulated by the load flow equations. For the 9-bus test system, the electricity transaction block is selected as the 0.1
MW step. Table 2 presents the feasible and optimum AIMGs’ electricity transaction cases for the electric load peak

condition. The optimal value of electricity transaction is shown in green.

Table 2. The 9-bus system feasible and optimum AIMGs’ electricity transaction cases.

The optimal electric system and DHN topologies of the 9-bus test system for different years of expansion planning
horizon are depicted in Fig. 9. The DCNEP installed the maximum available capacity of PVAs, SWTs and ESSs in the

first year of planning.
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Fig. 9. (a) The optimal electrical system topology of the 9-bus test system for the 1% year of expansion planning
horizon, (b) The optimal electrical system topology of the 9-bus test system for the 5" year of expansion planning
horizon. (¢) The optimal DHN topology of the 9-bus test system for the 1% year of expansion planning horizon, (d) The
optimal DHN topology of the 9-bus test system for the 5" year of expansion planning horizon.

As shown in Fig. 9, the DCNEP installed the maximum capacity of the available intermittent DERs and ESSs. Further,
the algorithm installed the maximum values of boiler facilities in the first year of the planning horizon. The district heating
network was installed in the first year for all of the heating load buses and its parameters were not changed for the planning
horizon. However, the algorithm installed the maximum capacity of TESs for the first year of the planning horizon based
on the fact that TESs improved the ability of the EDC to handle the DRP programs and interruption of the AIMGs
electricity transactions. The DCNEP gradually increased the capacity of installed CHP facilities based on the electrical
load grow parameters. At the final year of expansion planning, more CHPs were installed to supply the customers.

Table 3 depicts the optimal outputs of DCNEP for the 9-bus test system. One of the main purchasing cost of the system

was natural gas purchasing costs that took on a value 36.2514 MMUs.

Table 3. The optimal outputs of DCNEP for the 9-bus test system.

Costs (MMUs)
Feeders installation costs 4.1514 Transformers and feeders operation costs 4215
Transformer and ESS installation costs 9.2102 CHP installation and operation costs 26.8213
ENSCs 0.39265 Energy loss costs 0.75723
PVA installation and maintenance costs | 4.2315 Wind turbine installation and maintenance costs 3.8412
Emission costs 0.26241 Natural gas purchasing costs 36.2514

Table 4 presents the components of 9-bus test system costs for different planning years. The cost of electricity
purchased from the upward network took on a value 53.007 MMUs that it was about 146.22% of natural purchasing costs.
The maximum and minimum installation and operation costs of the facilities were the CHP costs and boiler and TES
costs, respectively. The main part of 9-bus system installation costs were CHP, electric network and DHN installation

costs, respectively.

Table 4. The components of 9-bus test system costs for different planning years.

Year Total
Costs 1 2 3 4 5
CHP operation costs (MMUs) 2.96125 | 2.78985 | 3.13458 | 3.32517 | 3.36214 | 15.57299
Eneray loss costs (MMUs) 0.15214 | 0.16325 | 0.15261 | 0.14125 | 0.14798 | 0.75723
Electricity purchased 6.2325 | 82412 | 10.1987 | 13.1632 | 15.1714 | 53.007
from the upward network costs (MMUs)
Feeder and EES 0.69214 | 0.78215 | 0.83621 | 0.97841 | 0.96215 | 4.25106
operation costs (MMUSs)
DRP costs (MMUs) 0.8127 | 08314 | 08624 | 0.8514 | 0.8782 | 4.2361
Boiler and TES investment 03215 | 03612 | 04521 | 04214 | 05142 | 2.0704
and operation costs (MMUSs)
DHN investment and 59562 | 0.5921 | 0.6213 | 0.6318 | 07123 | 8.5137
operation costs (MMUSs)
AIMGs electricity transaction 0.5236 | 0.6598 | 0.7521 | 0.8614 | 09512 | 3.7481
Benefits (MMU )




E NS N\

24

Fig. 10. (a) and (b) show the stacked column of the estimated optimal hourly heating and electricity dispatch for the

final planning horizon of the 9-bus system, respectively. The CHPs were at full load when they were committed and the

main part of the heating load was supplied by the boilers.
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Fig. 10. (a) The stacked column of the estimated optimal heating dispatch for the final planning horizon of the 9-bus
system. (b) The stacked column of the estimated optimal electricity dispatch for the final planning horizon of the 9-bus
system.

Fig. 11 (a) and (b) show the estimated values of the PVAs and SWTs electricity generation for the final planning
horizon of the 9-bus system, respectively. The maximum value of PVAs electricity generation was about 5.96 MW.

Further, the maximum value of SWTs electricity generation was about 50 kW.
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Fig. 11. (a) The stacked column of the estimated PVAs electricity generation for the final planning horizon of the 9-
bus system. (b) The stacked column of the estimated SWTs electricity generation for the final planning horizon of the 9-
bus system.

Fig. 12 depicts the estimated values of per-unit DLC, DERs electricity generation and electricity purchased from the
upward network for the final planning horizon of the 9-bus system. The maximum value of DERs electricity generation
was about 0.67 PU. Further, the maximum value of DLC was about 0.286 PU. The DCNEP utilized the DLC procedure

to minimize the operational costs and involuntary load shedding in contingent conditions of the system.
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Fig. 12. The estimated values of per-unit DLC, DERSs electricity generation and electricity purchased from the
upward network for the final planning horizon of the 9-bus system.

Fig. 13 presents the estimated heating dispatch for different DHN of the 9-bus system and the final planning horizon.
The maximum capacity of DHN was utilized to supply the heating load of the system.
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Fig. 13. The estimated heating dispatch for different DHN of the 9-bus system and the final planning horizon.

a
HOUR

To assess the proposed optimization algorithm for the 9-bus test system, the whole state-space of the DCNEP was
searched based on the fact that the search space of the 9-bus system was not very large. The full search method saved all
of the feasible solutions and evaluated them to find the absolute optimum solution. The algorithm codes were developed
in MATLAB and the simulation was carried out on a PC (Intel Core i7, quad-core, 2.93 GHz, 8 GB RAM). The simulation
time for the proposed IAGA algorithm and the full search method for the 9-bus tests system were about 2861 seconds and

23746 seconds, respectively.
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Table 5 depicts the results of the optimal outputs of DCNEP for the 9-bus test system that was determined by the full
search method. Further, Table 6 presents the optimal operational costs of the 9-bus test system for different planning years
that was calculated by the full search method. By comparing the corresponding value of presented tables, it can be

concluded that the proposed IAGA-based DCNEP found the absolute optimal solution of state-space.

Table 5. The solution of the full search method for DCNEP of the 9-bus test system.

Costs (MMUs)
Feeders installation costs 4.1514 Transformers and feeders operation costs 4215
Transformer and ESS installation costs 9.2102 CHP installation and operation costs 26.8213
ENSCs 0.39265 Energy loss costs 0.75723
PVA installation and maintenance costs | 4.2315 Wind turbine installation and maintenance costs 3.8412
Emission costs 0.26241 Natural gas purchasing costs 36.2514

Table 6. The full search solution for optimal operational costs of the 9-bus test system for different planning years.
Year Total
Costs 1 2 3 4 5
2.96125 | 2.78985 | 3.13458 | 3.32517 | 3.36214 | 15.57299

CHP operation costs (MMUs)

Energy loss costs (MMUs) 0.15214 | 0.16325 | 0.15261 | 0.14125 | 0.14798 | 0.75723

Electricity purchased from 6.2325 | 82412 | 10.1987 | 13.1632 | 15.1714 | 53.007
the upward network costs (MMU )
Feeder and EES 0.69214 | 0.78215 | 0.83621 | 0.97841 | 0.96215 | 4.25106
operation costs (MMUSs)

DRP costs (MMUs) 08127 | 0.8314 | 0.8624 | 08514 | 08782 | 42361

Boiler and TES investment 03215 | 03612 | 04521 | 04214 | 05142 | 2.0704

and operation costs (MMUSs)

DHN investment and 59562 | 0.5921 | 0.6213 | 0.6318 | 07123 | 8.5137

operation costs (MMUSs)

AIMGs electricity transaction 05236 | 0.6598 | 0.7521 | 0.8614 | 09512 | 3.7481
benefits (MMUs)

B. The 33-bus test system

The 33-bus test system data is presented at [50]. Fig. 14 shows the 33-bus system topology. Fig. 15 shows the hourly
thermal and electrical load of the 33-bus system for the final year of the planning horizon. Fig. 16 shows the forecasted
market price for the base year. The 33-bus system has a different pattern of electrical and heating load with respect to the

9-bus test system electrical and heating loads and the 33-bus system heating load is more than its electrical load.
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Fig. 14. The 33-bus test system.
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Fig.15. Hourly thermal and electrical load of the 33-bus system for the final year of the planning horizon.
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Fig. 16. The base electricity price of the upward network of the 33-bus test system.
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Table A5 of the appendix shows the DCNEP parameters for the 33-bus test system. Table A6 of the appendix presents

the characteristics of CHPs for the 33-bus test system. Table 7 presents the feasible and optimum AIMGs’ electricity

transaction cases for the electric load peak condition. The optimal value of electricity transaction is shown in green.
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Table 7. The feasible and optimum AIMGs’ electricity transaction cases for the 33-bus system electric load peak
condition.

From To

The optimal electric system and DHN topologies of the 33-bus test system for the different years of expansion planning

horizon are depicted in Fig. 17.
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Fig. 17. (a) The optimal electrical system topology of the 33-bus test system for the 1% year of the expansion
planning horizon, (b) The optimal electrical system topology of the 33-bus test system for the 5% year of the expansion
planning horizon. (c¢) The optimal DHN topology of the 33-bus test system for the 1% year of the expansion planning
horizon, (d) The optimal DHN topology of the 33-bus test system for the 5" year of the expansion planning horizon.
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The DCNEDP installed the maximum available capacity of SWTs in the first year of planning. However, the DCNEP
installed more PVAs, ESSs, CHPs, TESs and boilers for the other years of planning. The proposed algorithm installed
switching devices to perform the third stage optimization procedure in contingent conditions and restore the system’s

electrical loads. Table 8 depicts the optimal outputs of DCNEP for the 33-bus test system.

Table 8. The optimal outputs of DCNEP for the 33-bus test system.

Year Total
Costs 1 2 3 4 5

CHP operation costs (MMUs) 0.31251 0.32987 0.33415 0.34512 0.35984 1.68149

Energy loss costs (MMUs) 0.01621 | 0.01715 | 0.01421 | 0.01485 | 0.01325 | 0.07567
Energy purchased from the upward | 0.53315 | 0.74281 | 0.92145 | 1.01874 | 1.51914 | 4.73529
network costs (MMUs)
Feeder and EES operation costs 1.62321 1.85271 1.94215 1.78151 1.96214 | 9.16172
(MMUs)

DRP costs (MMUs) 0.07512 | 0.09874 | 0.06951 | 0.07415 | 0.06841 | 0.38593

Boiler and TES investment and 0.04612 | 0.05125 | 0.05214 | 0.06521 0.07247 | 0.28719
operation costs (MMUs)
DHN investment and operation 9.1217 0.9215 0.9142 0.9214 0.9217 12.8005
costs (MMUs)
AIMGs electricity transaction 0.03652 | 0.07524 | 0.08621 | 0.09741 0.12152 0.4169
benefits (MMUs)

Table 9 presents the optimal operational costs of the 33-bus test system for different planning years.

Table 9. The optimal operational costs of the 33-bus test system for different planning years.

Costs (MMUs)
Feeders installation costs 17.4512 Transformers and feeders operation costs 19.7841
Transformer and ESS installation costs 38.6512 CHP installation and operation costs 3.1521
ENSCs 0.42361 Energy loss costs 0.07567
PVA installation and 0.5124 Wind turbine installation and 1.9815
maintenance costs maintenance costs
Emission costs 0.095214 Natural gas purchasing costs 26.96251

The DCNEP installed the maximum capacity of DHN facilities in the first year of planning and it installed more TESs
and boilers for the next years. The cost of electricity purchased from the upward network took on a value 4.73529 MMUs
that it was about 15.81% of natural purchasing costs. The maximum and minimum installation and operation costs of the
facilities were the transformer and ESS installation costs and boiler and TESs installation costs, respectively.

Fig. 18. (a) and (b) show the stacked column of the estimated optimal hourly heating and electricity dispatch for the
final planning horizon of the 33-bus system, respectively. The 330 kW CHP was fully committed and other CHPs tracked

the load. The CHPs were fully loaded when they were on.
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Fig. 18. (a) The stacked column of the estimated optimal heating dispatch for the final planning horizon of the 33-
bus system. (b) The stacked column of the estimated optimal electricity dispatch for the final planning horizon of the
33-bus system.
Fig. 19 (a) and (b) show the estimated values of the SWTs and PVAs electricity generation for the final planning

horizon of the 33-bus system, respectively. The maximum value of PVAs electricity generation was about 0.789 MW.

Further, the maximum value of SWTs electricity generation was about 70 kW.
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Fig. 19. (a) The stacked column of the estimated SWTs electricity generation for the final planning horizon of the
33-bus system. (b) The stacked column of the estimated PVAs electricity generation for the final planning horizon of
the 33-bus system.

Fig. 20 depicts the per-unit values of DLC, DERs electricity generation and electricity purchased from the upward
network for the final planning horizon of the 33-bus system. The maximum value of DERs electricity generation was

about 0.681 PU. The maximum value of DLC was about 0.351 PU.
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Fig. 20. The per-unit values of DLC, DERs electricity generation and electricity purchased from the upward network
for the final planning horizon of the 33-bus system.

Fig. 21 (a) and (b) show the estimated values of the TESs and ESSs optimal charge and discharge for the peak periods
of electrical and heating systems and the final planning horizon of the 33-bus system, respectively. The DCNEP utilized
TESs and ESSs to minimize the involuntary load shedding in contingent conditions of the system. Further, the energy
storage facilities were utilized to increase the transfer capability of the electric network of the EDC and reduce the

operational costs.
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5 Fig. 21 (a) The estimated values of the TESs optimal charge and discharge for the peak periods of electrical and
6 heating systems and the final planning horizon of the 33-bus system. (b) The estimated values of the EESs optimal
7 charge and discharge for the peak periods of electrical and heating systems and the final planning horizon of the 33-bus
8 system.
9
10 C. 123 bus system
11 The 123-bus test system data is presented at [51] and its topology is shown in Fig. 22. Fig. 23 depicts the estimated

12 hourly electrical and heating loads in the final year of the planning horizon. The DCNEP parameters for the 123-bus test

13 system are the same as their corresponding values of the 33-bus test system.
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Fig.23. The hourly heating and electrical loads of the 123-bus test system for the final year.

The optimal electric system and DHN topologies of the 123-bus test system for the different years of expansion

planning horizon are depicted in Fig. 24.
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Fig. 24. (a) The optimal electrical system topology of the 123-bus test system for the 5" year of the
expansion planning horizon. (b) The optimal DHN topology of the 123-bus test system for the 5" year of the
expansion planning horizon.
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Fig. 25 presents the feasible and optimum AIMGs’ electricity transaction cases for the electric load peak condition of
the fifth year of the planning year. The total number of the explored feasible and optimum AIMGs’ electricity transaction
cases was 53432233 and the total number of available alternatives for AIMGs’ transactions was 614163600 for the overall
of the planning years. Thus, the feasible and optimum AIMGs’ electricity transaction was about 8.7% of the total number
of transactions.

Fig. 26. (a) and (b) show the stacked column of the estimated optimal hourly heating and electricity dispatch for the
final planning horizon of the 123-bus system, respectively. The 330 kW CHPs were committed for supplying of the based

load and the boiler tracked the heating load. The 120 kW CHP facilities supplied the peak load of the system.
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Fig.25. The feasible and optimum AIMGs’ electricity transaction cases for the electric load peak condition of the
123-bus test system.
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Fig. 26. (a) The stacked column of the estimated optimal heating dispatch for the final planning horizon of the 123-

bus system. (b) The stacked column of the estimated optimal electricity dispatch for the final planning horizon of the

123-bus system.

Fig. 27 (a) and (b) show the estimated values of the PVAs and SWTs electricity generation for the final planning

horizon of the 123-bus system, respectively. The maximum value of PV As electricity generation was about 0.53 MW.

Fig. 28 depicts the per-unit values of DLC, DERs electricity generation and electricity purchased from the upward

network for the final planning horizon of the 123-bus system. The maximum value of DERs electricity generation was

about 0.473 PU.
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Table 10 depicts the optimal outputs of DCNEP for the 123-bus test system. The cost of electricity purchased from
the upward network took on a value 11.9562 MMU s that it was about 79.77% of natural purchasing costs. The maximum
and minimum installation costs of the facilities were the transformer and ESS installation costs and PVA installation

costs, respectively.

Table 10. The optimal operational costs of the 123-bus test system.

10
11
12
13
14
15
16
17
18
19

Costs (MMUs)
Feeders installation costs 70.3625 Transformers and feeders operation costs 86.2174
Transformer and ESS installation costs 157.2132 CHP installation and operation costs 5.1221
ENSCs 1.2395 Energy loss costs 0.5321
PVA installation and maintenance costs 0.5231 Wind turbine installation and maintenance 1.9903
costs
Emission costs 0.1380603 Natural gas purchasing costs 14.98741
DHN investment and operation costs (MMUSs) 39.3214 AIMGs electricity transaction Benefits 3.291
(MMUs)
Boiler and TES investment and operation costs 0.965 DRP costs (MMUs) 0.9851
(MMUs)

Further, another scenario was studied in the following case to assess the proposed DCNEP algorithm. The EDC
purchased electricity from the wholesale market to supply its loads and only boilers were used to supply heating loads.
This scenario is named as the second scenario of DCNEP and its results are presented in the following figures. Fig. 29

depicts the final investment, operational, emission, electricity and natural gas purchasing costs for two scenarios of the 9-

bus, 33-bus and 123-bus test systems at the horizon year of planning.
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Fig. 29. The final investment, operational, emission, electricity and natural gas purchasing costs for two scenarios of
(a) the 9-bus, (b) 33-bus, (c) 123-bus test systems at the horizon year of planning.



13
14
15
16
17
18
19
20
21
22
23
24
25
26
27
28
29

43

According to Fig. 29, the DCNEP reduced the aggregated total costs for the 9-bus, 33-bus and 123-bus system about
18.645%, 9.658%, and 4.849% with respect to the 2" scenario costs, respectively. Further, the 5 years AIMGs electricity
transactions benefits were about 3.7481 MMUs, 0.4169 MMUs, and 3.291 MMUs for the 9-bus, 33-bus and 123-bus test
systems, respectively. It means that the EDC can gain benefit from AIMGs electricity transactions.

Table 11 shows the number of continuous and discrete variables, the number of equations, DCNEP iterations and
maximum values of MWRI for final planning year for different case studies. The number of equations for the 123-bus
test system was 11955854 that indicates the curse of dimensionality. The maximum CPU time required to solve the

scenarios was about 14405 seconds for the 123-bus test system.

Table 11. The DCNEP algorithm computation time, the number of variables and iterations for different case studies.

Case continuous discrete variables | total equations CPU time Number of three- Maximum value
variables (sec) stage DCNEP of MWRI
iterations
9-bus 352108 15840 650514 2861 2 9.6514
33-bus 1361560 29548 2332926 5982 2 7.8249
123-bus 7417838 112698 11955854 14405 3 7.9826

The proposed DCNEP algorithm successfully carried out the optimal energy resources and network expansion

planning with quite acceptable results and computational burden.

5. Conclusion

This paper presented an iterative MINLP algorithm for the DCNEP problem of an EDC with multiple DERs. The
proposed method considered the AIMGs’ electricity transactions and minimized investment, operational and emission
cost; meanwhile, maximized the EDC’s system’s reliability. The three-stage algorithm explored the adequacy of the
EDC’s system resources in the normal and contingent operational conditions; meanwhile, it considered the AIMGs
electricity transactions. The evaluation of the feasibility and optimality of the AIMGs’ electrical transactions imposed a
very heavy computational burden on the DCNEP procedure. Three test systems were considered by different
configurations, electrical and heating loads, and operational paradigms. The DCNEP reduced the aggregated total costs
for the 9-bus, 33-bus and 123-bus system about 18.645%, 9.658%, and 4.849% with respect to the 2" scenario costs,
respectively. Further, the 5 years AIMGs electricity transactions benefits were about 3.7481 MMUs, 0.4169 (MMUs),

and 3.291 MMU s for the 9-bus, 33-bus and 123-bus test systems, respectively. It means that the EDC can gain benefit
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from AIMGs electricity transactions. The total number of the explored feasible and optimum AIMGs’ electricity
transaction cases of the 123-bus test system was 53432233. Further, the total number of available alternatives for AIMGs’
transactions was 614163600 for overall of the planning years. The proposed three-stage optimization algorithm
successfully carried out the optimal energy resources and network expansion planning with quite acceptable results and
computational burden. In conclusion, the adoption of the proposed DCNEP includes AIMGs electricity transactions
allows increasing significantly the EDC benefits and reliability. The authors are investigating the use of other heuristic

optimization method to speed up the calculation of the DCNEP procedure.

6. Acknowledgment

—_— =
N = O 00 N BN

—
(98]

14
15

16
17
18

19
20
21

22
23
24

J.P.S. Cataldo acknowledges the support by FEDER funds through COMPETE 2020 and by Portuguese funds

through FCT, under POCI-01-0145-FEDER-029803 (02/SAICT/2017).

7. Appendix

Table Al. The 9-bus system CHP installation alternatives technical characteristics and fixed and variable costs.

CHP Maximum output power | Installation Fixed cost | Installation variable cost Operation Fixed cost Operation variable cost
type (MUs) (MUSs/kVA) (MUSs/kW) (MUs/kWh)
P ()
1 1 224002.2 455 0.3256 1.2153
2 2 523951 982 0.3126 1.2871
3 3 625361 1450 0.2978 1.6241
Table A2. The conductor data for the 9-bus test system.
Conductor type | Capacity (MVA) Impedancei Failure rate | Mean time to repair(hour) | Installation cost (MUs/km)
Km
1 7.5 0.7945 0.21 32 30500
2 10 0.3977 0.22 3 41000
3 15 0.1986 0.21 32 62000

Table A3. DCNEP parameters for the 9-bus test system.

Parameter Value
Discount rate (%) 12.5
Electric Storage efficiency (%) 0.75
Thermal Storage efficiency (%) 95
NOIS 2
NOSS 2
The heating and electrical load factor for the 0.7
NOIS=2
Market price growth rate (%) 2
MWRI 10




Table A4. DERs, DHN, DRP and emission data.
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parameters
PVA CPV4 _ | 48E+5 (MMUs/m? MW), Lifetime=25(years), C PVA 5 55E+01 (MMUS/MWh)
Module: 3.5(kW) @ 250 (rpm), Cut-in speed= 3(m/s), Total length=3 (m), Type: Up-wind horizontal rotor, noise:
T
SWT 37 dB(A) from 60 (m) with a wind speed 8 (m/5) , Ciyyas; ~2.4E+03 (MMUs), €57 =3.7E+04 (MUSMWh)
Max capacity=2 (MW), Modules capacity= 100 (kW), Type: Lead-acid battery, Efficiency=0.75,
ESS C ,E S8 —11.285E+03 (MMUS/MWh), C £S5 4 ¢ ESS =5 55E+02 (MMUs/MWh), Lifetime=3500 (cycle
nv op M
number)
Max capacity module =3 (MW), Modules capacity= 250 (kW), CICSS = 6.72E+02 (MMUs/MWh) ,
TES : -
CESS 4 PSS =1.8E+01 (MMUs/MWh), Lifetime=25(years)
Op M
DH _ DH _ DC _ Loss
DHN Clupaciry =2-59 MMUSMMW), Cjpro =1.221E+01 (MMUs/m), Cp iy =2:39 (MMUS/m MW), 0]
=%18 heating transmission
Boiler Max capacity=2.5 (MW), Modules capacity= 500 (kW), C,B?"’” = 1.02 (MMUs/MW) , Cf”"’” = 4.81E+05

(MUs) , Lifetime=25(years)

Environmental
emission prices

C =259 (MMUs/ton), C =3.7E+01 (MMUs/ton), C =3.7E+01 (MMUs/ton)
€0, 50, NOy

Transmission

. . 1500 (MU/kWh)
service price
DLC price 2500 (MU/kWh)
Involuntary load 100000 (MU/KWh)

Shedding price

Natural gas fuel price

0.03 (MMUs/m?)

Table AS5. DCNEP parameters for the 33-bus test system.

Parameter Value
Discount rate (%) 12.5
Electric Storage efficiency (%) 0.80
Thermal Storage efficiency (%) 95
Number of the EDC’s intermittent power generation scenarios 3500
Number of the EDC’s intermittent power generation reduced scenarios 40
Number of AIMGs’ power energy consumption scenarios 100
Number of AIMGs’ power energy consumption reduced scenarios 10

From AIMGs’ buses to another
buses

Number of AIMGs’ power transactions

NCSS Number of the EDC’s electric
system components
The heating and electrical annual load growth 0.3
The heating and electrical load factor 0.7
Market price growth rate (%) 2
MWRI

Table. A6. The 33-bus system CHP installation candidates’ technical characteristics and fixed and variable costs.

CHP Maximum output Installation Fixed Installation variable Operation Fixed Operation variable
type power Pmax ( MW) cost (MUs) cost (MUs/kVA) cost (MUs/kW) cost (MUs/kWh)
1 120 21369 165.5 0.2688 1.0853
2 250 57894 210.3 0.2792 1.3011
3 330 65133 230.2 0.2173 1.0569
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